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ABSTRACT
Most shale formations typically do not produce without hydraulic fracture stimulation.
Therefore, in the development of shale formations, hydraulic fracturing is widely applied
which has led to the U.S. shale revolution.
During a hydraulic fracturing treatment of gas-bearing shales, it is reported that longer
shut-in time results in a good initial gas production rate. However, a large percentage of the
fracturing fluid remains unrecovered. The cause of this is believed to be capillary imbibition
and osmosis in the shale where fluid is imbibed into the shale and trapped inside the pores.
In addition, whether the fracturing fluid loss because of the capillary imbibition and osmosis
causes serious formation damages during hydraulic fracturing is an important question.
Hence, this dissertation investigates capillary imbibition and osmosis that cause fluid loss
in shale formations, parameters that influence the capillary imbibition and osmosis process
of shale formations, and the potential impact of capillary imbibition and osmosis on shale
formations.
Shale samples were obtained from the Horn River, Woodford, and Niobrara shale forma-
tions. Capillarity and osmosis were studied as the key mechanisms through experiments. It
is believed that both capillarity and osmosis work together to result in fracturing fluid loss
during hydraulic fracturing in shale formations. Laboratory test results illustrate that the
fluid loss process includes both capillary imbibition and osmosis.
In addition, experiments indicate that the amount of clays is a most important factor
affecting the fracturing fluid loss process. Specifically, shale samples with high clay content
imbibe more fracturing fluids than the measured pore space because clays have a strong
ability to expand and hold water. Based on contact angle measurements, shale samples with
smaller contact angles have a faster imbibition rate than those with larger contact angles.
According to salinity tests, higher pore water salinity correlates to a faster rate of osmosis.
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Moreover, the lower initial water saturation causes more volume loss and a faster rate of
capillary imbibition and osmosis. Experiments also show that 2% (by weight) KCl and 2%
(by volume) KCl substitute fracturing fluids are imbibed from 10% to 40% less than 0.07%
(by volume) friction reducer in the shale formation with high clay content; whereas in the
shale formation with low clay content, the opposite occurs. In the low clay content shale,
0.07% (by volume) friction reducer test fluid is imbibed from 10% to 30% less than 2% (by
weight) KCl fluid, but has similar imbibed amount with 2% (by volume) KCl substitute
fluid.
The permeability changes under various fracturing fluids, as the criterion of the impact
from capillary imbibition and osmosis on the shale, are determined by the pressure build-up
method. The experimental results show that the fracturing fluid will damage and seriously
reduce the matrix permeability of the shale sample. When the sample imbibes more fluid, the
matrix permeability is more severely reduced. Capillary imbibition and osmosis also decrease
the fracture permeability of open fractures, but the decrease is less than the reduction of
matrix permeability. Moreover, there is a lubrication effect that can reopen micro-fractures
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This chapter introduces the motivations and objectives of this dissertation. First, it dis-
cusses hydraulic fracturing in unconventional formations. Then, capillary imbibition and
osmosis during hydraulic fracturing are explained. The motivations and objectives are pre-
sented next. Finally, the layout of the whole dissertation is introduced.
1.1 Hydraulic Fracturing in Shale Formations
With the successful application of hydraulic fracturing technology in shale and other
unconventional formations, crude oil production in the U.S. is expected to increase from 5
MMbbl/d in 2008 to 10.6 MMbbl/d in 2020, and oil production from shale and other low
permeability reservoirs will grow to one half the national total crude oil production during
the same period. From 2008, the U.S. shale gas production is expected to increase almost
nine times. On the other hand, the import of crude oil as a percentage of the total U.S.
production will decrease from 33% in 2013 to 14% in 2020 (EIA, 2015). This impressive
growth in U.S. oil and gas production, which is due to hydraulic fracturing, is called the
U.S. shale revolution.
Hydraulic fracturing, since the 1940s, has been one of the most significant stimulation
techniques in the field. This technology can crack formation rocks through high pressure
and high rate fluids. In most of the low permeability formations, such as shale gas and
oil, tight gas and oil, and coal seam gas wells, hydraulic fracturing can greatly increase the
productivity of wells.
The generic steps of hydraulic fracturing are as follows:
• A large volume of the water-based fracturing fluid, also called the pad, is injected into
the formation with a high enough pressure and rate to breakdown rocks and create
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fractures. Also, the pad fluid provides enough fracture width to allow the following
solid material, proppants, to enter.
• Gel slurry, with varying concentrations of proppant, is injected following the pad fluid
to move the solid materials down the fractures.
• A flush volume of the displacement fluid is then injected to displace the slurry.
• The injection is shut down so that the injected liquid leaks off and loses into the
formation while the fractures close on the proppant.
• Water recovery (called flowback or cleanup) begins.
Hydraulic fracturing needs a large volume of water that may come from rivers, lakes,
municipal water, or other sources. Based on various shut-in times, only 10% to 40% of
the injected water-based fracturing fluid is recovered during the fracture cleanup of the shale
formations. The rest of the injected fluid remains in the formation (King, 2010). The inability
to recovery most of the injected fluid raises two serious questions: where is the fracturing
fluid in the shale formation and how does it impact the well productivity? Actually, there
are three places where the fluid is most likely to go in the shale formation: one is to remain
in the primary fractures that are created by the pad fluid; another one is to leak into the
natural micro-fractures; and the last possibility is to be trapped inside the shale matrix. In
all those three places, the remaining fracturing fluid can be imbibed by the primary fracture
surfaces, micro-fractures, and shale matrix because of capillary imbibition and osmosis.
1.2 Imbibition and Osmosis
Imbibition and osmosis are believed to result in fracturing fluid loss and to cause frac-
turing fluids are imbibed by shale. Therefore, a brief introduction of imbibition and osmosis
is in the following subsections.
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1.2.1 Imbibition
Imbibition is defined as one fluid being displaced by another immiscible fluid. Normally,
these fluids are liquid, but sometimes gas is also a displaced or displacing fluid. Imbibition
has two kinds of classifications (see Figure 1.1): one is divided by spontaneous imbibition
and forced imbibition; another one is sorted by co-current imbibition and counter-current
imbibition. Spontaneous imbibition occurs when capillary pressure is the only force that
dominates the imbibition process. Therefore, spontaneous imbibition is also called capillary
imbibition, and it is studied in this dissertation. Forced imbibition involves other forces
besides capillary pressure. Co-current imbibition occurs when the displacing phase and the
displaced phase have the same direction of flow; whereas, the counter-current imbibition
happens when the displacing phase has an opposite flow direction to the displaced phase.
Figure 1.1: Classifications of imbibition.
1.2.2 Osmosis
Osmosis is a spontaneous movement of water molecules between low and high solute
concentration. There should be a semi-permeable membrane to separate two solutions of
different concentrations. This semi-permeable membrane only allows the solvent to pass
through it. The direction of the osmosis process is to equalize the concentrations of the two
3
solutions. During hydraulic fracturing work in clay rich shale formations, however, osmosis
has also been found to influence imbibition in shale formations because the clay in the shale
rock functions similarly to that of a membrane.
1.3 Research Motivations
Few researches investigate whether capillary imbibition and osmosis should be concerned
in shale formations during hydraulic fracturing. If fracturing fluid loss, due to capillary
imbibition and osmosis, causes a large volume of fluid trapped in shale formations and leads
to serious damage, the fluid loss should be controlled and minimized.
Therefore, this research tries to clarify several aspects of capillary imbibition and osmosis
in shale formations including: how capillary and osmotic pressures control fluid loss; how
much fracturing fluid is imbibed into the shale formation because of capillary imbibition and
osmosis; what parameters influence capillary imbibition and osmosis processes; how various
fracturing fluids also affect those processes; and what the impact on production.
1.4 Research Objectives
This dissertation consists mainly of lab-based experiments. It includes the following
objectives.
1. Determine capillary imbibition and osmosis in shale rocks.
2. Quantify capillary imbibition and osmosis in various shales.
3. Examine main parameters that influence the capillary imbibition and osmosis processes
in shale reservoirs. The parameters which are investigated include the mineral content,
wettability, pore water salinity, and initial water saturation.
4. Determine effects of main fracturing fluid types on capillary imbibition and osmosis.
The test fluids used in the experiments include 2% (by weight) KCl fluid, 7% (by
weight) KCl fluid, 24% (by weight) KCl fluid, 0.07% (by volume) friction reducer fluid
and 2% (by volume) KCl substitute fluid.
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5. Investigate potential impacts from capillary imbibition and osmosis on permeability of
shale rocks.
1.5 Dissertation Structure
This dissertation is organized by seven chapters in order to comprehensively present the
research work. Chapter 1 introduces the motivations and objectives of the study.
Chapter 2 contains the necessary background and literature review.
Chapter 3 presents experimental principles, apparatuses, and procedures.
Chapter 4 determines capillary imbibition and osmosis in shale formations.
Chapter 5 investigates various factors that influence the capillary imbibition and osmosis
in shale rocks.
Chapter 6 presents potential impact of capillary imbibition and osmosis on the shale
formation. The discussion focuses on the result of the permeability measurement.




This chapter provides necessary background information for this dissertation. In the
beginning, it discusses the strategy of hydraulic fracturing shut-in time. The longer shut-in
time may increase well production, but would decrease the amount of the water recovery
of the fracturing fluid. The chapter then introduces the reasons that a low amount of the
water recovery damages the shale formation, and points out that capillary imbibition and
osmosis are responsible for the large percentage of the remaining fracturing fluid. Finally,
the chapter summarizes previous studies about imbibition and osmosis, and their impacts
on the formation.
The structure of this chapter is that the first two sections introduce the shut-in and water
recovery (called flowback or cleanup) during hydraulic fracturing, and their relationships with
long term production, especially gas production. In the next two sections, studies about
imbibition and osmosis are described. The last section shows the impact from imbibition
and osmosis during hydraulic fracturing.
2.1 Shut-in during Hydraulic Fracturing and Its Impact on Well Production
Hydraulic fracturing is being successfully applied in the development of oil and gas in
shale formations. The general procedure for hydraulic fracturing stimulation treatments has
five main steps, including pad injection, gel slurry injection, flush injection, well shut-in,
and water recovery. Shut-in is one of the five general steps and it influences the subsequent
load water recovery and initial production of wells. The purpose of the shut-in period is
to allow fractures to close on and stress the proppant pack after the fluid leak-off. Hence,
the fracture is proppant filled with propped fracture length, propped fracture height, and
propped fracture width. In addition, the shut-in step provides time for the fracturing fluid
to break down through chemical breakers that are added while pumping in order to reduce
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the viscosity of the fracturing fluid. This reduced viscosity fluid is easier to flow back later
during the following step of water recovery (Economides and Nolte, 2000).
In previous studies, one of the main interests in the shut-in period during hydraulic
fracturing was to investigate shut-in strategies that were the best for long-term production.
Almulhim et al. (2014) emphasized that if the shut-in time in a strong water-wet forma-
tion was longer, it was better for production. That was because the field data from some
unconventional formations showed that in the case of longer shut-in periods, both the gas
production peak and the cumulative gas production had some significant increases. Berton-
cello et al. (2014) also found that if the shut-in time took a couple of months, which was
much longer than the shut-in time of the most current hydraulic fracturing stimulations in
the field, the cumulative production could perform very well. Fakcharoenphol et al. (2013)
agreed that a longer shut-in time was better for production. From his numerical models, he
explained that the increased production resulting from the longer shut-in time was because
the liquid saturation near fractures was small owing to the liquid mass transfer from fracture
faces to deep inside the rock matrix. These opinions, however, were contrary to the conclu-
sion of previous studies. Leonard et al. (2007) and Cheng (2010) pointed out that long-term
production was not influenced by the longer shut-in time; only the initial production rate
could increase when the shut-in time was extended.
Although some of the previous studies, based on simulation work, suggest adding more
time to the shut-in periods in shale formations, there is no experimental data and minimal
field data to support that suggestion. Therefore, more studies and investigations are needed
to verify the simulation results and define the mechanisms, as a function of shut-in time,
that affect production performance.
2.2 Water Recovery in Shale Formations
Load water recovery just after the shut-in period and before the well is put on production
is an important and necessary step during hydraulic fracturing because it can control and
minimize damage from fracturing fluids. If the injected fracturing fluids inside and near
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fractures are not recovered, damage can occur.
The fracturing fluid can continue to leak off into the formation matrix, resulting in
physical reactions with mineral components of and fluids inside the rocks. Clay swelling
and water blockage are two of the most negative impacts from those undesirable reactions
in formations. Clay swelling can occur in all clay minerals to various degrees; smectite and
mixed-layer illite can expand up to 20 times their original volume (Hayatdavoudi, 1999).
During the clay swelling process, the initial electrical balance, which keeps the stack of clay
platelets together, is broken between the negative charges of the clay platelets and positive
charges of the cations in the interlayers. Those cations attract water molecules to form water
films over the clay platelets, resulting in the expansion of the interlayers (Civan, 2007). Water
blockages occur when water and other liquids are trapped in the porous media and impede
gas production (Charoenwongsa, 2011). The hysteresis and discontinuous capillary pressure
cause injected liquid fluids to be extremely difficult to produce. In addition, after production,
the invaded zone liquid saturation could decrease to the residual saturation so as to prevent
liquid displacement. Hence, the gas permeability and gas production are greatly reduced
because of the additional gas flow resistance from the trapped liquid.
Previous discussions prove that as much water recovery as possible is significant to mini-
mize fracturing fluid damage during hydraulic fracturing treatments. However, many opera-
tors reported that less than 50% of the injected fracturing fluid in shale formations could be
recovered (Alkouh and Wattenbarger, 2013). The most important factor that controls the
water recovery is the system energy. Generally, the system energy is higher when fractures
are more conventional and less complicated. The higher energy can cause a larger volume
of flow recovery at a faster rate. But fractures in shale formations are complex so that the
percentage of fracture fluid recovery is small and takes several weeks to complete flowback,
much longer than in conventional formations (King, 2010).
When studying the low percentage of water recovery in shale formations, there is a
question as to where the fracturing fluids go. It is believed that the remaining fluid may
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have three places to stay: one is to remain in the hydraulic fractures; another is to fill the
induced and/or reactive and active natural fractures; and the last is to be trapped into
the rock matrix. Capillary imbibition and osmosis can occur on all of the primary fracture
surfaces, micro-fractures, and shale matrix that contact fracturing fluids. Therefore, capillary
imbibition and osmosis during the shut-in and flowback period is considered to result in a
small amount of the water recovery (Almulhim et al., 2014; Fan et al., 2010; Ghanbari
et al., 2013). The volume of the fracturing fluid loss is some of the unrecovered amount
of the flowback; and that fluid is trapped and hard to displace in the pores because of its
influence on the relative permeability, related wetting phenomena, and tortuous path (Penny
et al., 2006). Imbibition is dominated by micro-fractures, especially in shale formations that
contain huge numbers of natural fractures (Alkouh and Wattenbarger, 2013).
However, osmosis has not been determined through experimental works how it is respon-
sible for the small percentage of fracturing fluid recovery in shale formations.
2.3 Imbibition Research
In petroleum engineering, imbibition research is being conducted both in hydraulic frac-
turing and water flooding. During hydraulic fracturing, imbibition occurs any time the
fracturing fluid contacts the formation, and displaces formation fluids in the reservoir rock.
In the development of shale gas and oil reservoirs, massive hydraulic fracturing treatments
are applied with water based fracturing fluids that can be imbibed by the shale rock. How-
ever, there is still an argument whether, in the shale formation, the amount of the imbibed
fracturing fluid is large or small compared to the injected volume of the fracturing fluid. If
it is large, further studies are required to investigate the impact from the large volume on
the shale formation.
Imbibition, in water flooding studies, is considered to be an effective way to enhance
oil recovery. The most important goal of waterflooding imbibition studies is to increase
the degree of imbibition. The injected fluid, as a wetting phase, displaces the trapped
oil, as a non-wetting phase in the pore spaces (Morrow and Mason, 2001). Therefore, in
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the laboratory the effective factors of imbibition have been widely investigated, including
wettability, clay content, pressure, temperature, co-current and counter-current imbibition,
fluid properties, rock properties, and initial water saturation.
2.3.1 Spontaneous Imbibition of Fracturing Fluid in Shale Formations
Only a few previous studies focus on the shale rock imbibition of fracturing fluids. Roy-
chaudhuri et al. (2011) used shale samples from the Appalachian Basin to study the impact
of spontaneous imbibition on gas production. Before the imbibition tests, micro-fracture
permeability was measured through the steady-state approach. The contact angles were de-
termined in the water and gas system including the static, advancing, and receding contact
angles. In the spontaneous imbibition tests, the sample was cut to a rectangular shape of 1
cm × 1 cm × 0.5 cm. Then in deionized water the weight change was measured and studied
as a function of time and of the square root of time. In addition, a simple model was de-
veloped to scale the laboratory data up to the whole field. The paper concluded that initial
imbibition occurred in the micro-fractures of shale samples, and then matrix imbibition was
dominant.
Makhanov et al. (2012, 2013) studied spontaneous imbibition in the Horn River shale
formation. In their spontaneous imbibition tests, the volume change of the rectangular core
samples, 3 cm × 2 cm × 1 cm, was measured in fluids of deionized water, 2% KCL solution,
and mineral oil. They found that spontaneous imbibition was influenced by the matrix-
fracture interface, soaking time, fluid properties, and matrix mineralogy. The fluid imbibed
rate was anisotropic and depended on the fracture’s orientation. The imbibed rate was
higher when the fracture direction was parallel compared to when it was perpendicular to
the bedding plane (notes: this conclusion is confused between the fracture face and exposed
imbibed face. Therefore, the right statement is that the imbibed rate is higher when the
imbibed face is perpendicular to bedding). Another conclusion from the imbibition tests
was that the water was imbibed more than the crude oil in the shale sample even though
the sample was oil-wet according to the results of contact angle measurements. Therefore,
10
through the experiments they suggested that either an oil-based fracturing fluid or a fluid
with surfactants was the better fluid in this shale formation because the fluid could cause
less fluid loss and formation damage.
2.3.2 Wettability
Wettability reflects the affinity of a fluid adhering to the walls of a solid. Many imbibition
studies investigate the effect of the contact angle and interfacial tension to understand the
tendency and performance of the wetting phase that is imbibed and flows through the porous
media of rocks (Abdallah et al., 2007; Morrow, 1990).
Contact angle is the angle where a liquid or vapor interface meets a solid surface. That
angle is used to distinguish the wetting phase and non-wetting phase (Figure 2.1). If the angle
is less than 90◦, the liquid is the wetting phase for this solid; while if the angle is greater than
90◦, the liquid is the non-wetting phase. In the gas-liquid system, gas is always considered
to be a non-wetting phase. The relationship between the contact angle and imbibed rate
is that the smaller contact angle can expect the faster imbibed rate of the wetting phase
(Graham and Richardson, 1959). Therefore, in order to improve the displacement efficiency
during imbibition, studies mainly focus on the control and adjustment of the contact angle
(Froning and Leach, 1967; Li and Firoozabadi, 2000; Penny et al., 1983; Wagner and Leach,
1958; Wang et al., 2012; Wardlaw and McKellar, 1998).
Figure 2.1: Schematic of contact angles.
Interfacial tension is an adhesive force on a contact surface between the liquid and solid,
liquid and gas, or gas and solid. The interfacial tension also influences the capillary pressure.
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Hence, much research is to study how to change the interfacial tension in formations to
enhance oil recovery (Chen et al., 2001; Cuiec et al., 1994; Melrose and Brandner, 1974;
Schechter et al., 1991, 1994; Suarez and Suarez-Rivera, 2009).
2.3.3 Clay Content
Imbibition in clay rich rock, like shale samples, has very different behaviors according
to the laboratory experiments. In a high clay content sample, the clay mineral can cause
a significant amount of fracturing fluid to be imbibed (Lan et al., 2014). Ghanbari et al.
(2013) pointed out that in the clay rich samples the ion diffusion rate is very high so that the
imbibed rate would speed up because of the fast diffusion rate. Hence, the apparent water
saturation in clay rich regions is much higher than that from calculation. Consequently, the
effective permeability is not as expected from calculation (Dutta et al., 2012).
2.3.4 Pressure
Handy (1960) studied the effect of gravity on spontaneous imbibition in Boise sandstone
cores. He found that the imbibed rate at the absolute pressure of 0.066 atm was faster than
that at atmospheric pressure. It was because the lower gravitational force caused higher
final water saturation, resulting in an increased rate of imbibition, when only the bottom of
the core contacted the fluid in the experiment (Figure 2.2).
In the forced imbibition experiment the previous investigations showed that the im-
bibed rate was higher when the injection pressure increased (Graham and Richardson, 1959;
Pooladi-Darvish and Firoozabadi, 2000b).
2.3.5 Temperature
Temperature can influence the contact angle, interfacial tension, and viscosity of fluid.
All relate to the imbibed rate. In most imbibition experiments, increasing the temperature
causes a faster imbibed rate in various cores, such as sandstone and diatomite (Handy, 1960;
Peng and Kovscek, 2011; Pooladi-Darvish and Firoozabadi, 2000b). Figure 2.3 shows the
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Figure 2.2: Schematic of experimental design in Handy’s (1960) imbibition study.
test equipment for forced imbibition with temperature control. For the aging temperature,
increasing the temperature causes a slower imbibed rate (Zhou et al., 1995). Aging means
during saturating, the rock is submerged in oil for the aging time and under the aging
temperature.
2.3.6 Co-Current and Counter-Current Imbibition
Co-current imbibition means the flows of the wetting and non-wetting phases have the
same direction (Figure 2.4). Counter-current imbibition represents another flow pattern in
which the direction of the wetting phase and non-wetting phase is counter to each other
(Figure 2.5). Co-current imbibition is dominant for oil recovery when water is injected into
water-wet rocks to displace the crude oil (Pooladi-Darvish and Firoozabadi, 2000a); whereas,
counter-current imbibition mainly happens in fractured water-wet reservoirs and some tight
formations (Cuiec et al., 1994; Pooladi-Darvish and Firoozabadi, 2000a). Contact angles,
fracture networks, boundary conditions and injection rates are important factors that decide
whether the co- or counter-current imbibition is primary in formations (Qin, 2007). Previous
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Figure 2.3: Schematic of experimental design in Peng and Kovscek’s (2011) imbibition study.
work shows that the rate of oil recovery by co-current imbibition is faster than by counter-
current imbibition (Bourbiaux and Kalaydjian, 1990; Kantzas et al., 1997; Li and Horne,
2002; Pow et al., 1999).
2.3.7 Fluid Properties
Fluid properties that influence imbibed rate include the viscosity ratio and mobility ratio.
The imbibed rate highly depends on the viscosity ratio of the crude oil to water. The rate of
imbibition decreases with an increasing viscosity ratio (Ma et al., 1999). Eq. 2.1 expresses
the mobility ratio of the displacing fluid to the displaced fluid. The ratio is a function of
saturation. At constant saturation, the mobility ratio increases as the imbibed rate decreases








ξ is mobility ratio; krw and kro are relative permeability of water and oil, respectively; µw
and µo are viscosity of water and oil, respectively.
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Figure 2.4: Schematic of co-current imbibition.
Figure 2.5: Schematic of counter-current imbibition.
2.3.8 Rock Properties
Rock properties in imbibition experiments are studied primarily through investigating
varying absolute and relative permeabilities, pore sizes, porosities, and sample sizes and
shapes.
The permeability of the wetting fluid in rocks determines the rate of imbibition of this
fluid. Higher permeability results in a higher imbibed rate (Garg et al., 1996; Li and Horne,
2000). But increasing the permeability ratio of fracture to matrix does not necessarily lead
to a high rate of imbibition in waterflooding (Graham and Richardson, 1959).
The wetting phase initially and quickly occupies the smaller pores because the capillary
pressure is higher there than in the larger pores. But in tight rock matrix, which has many
small pore thresholds, such as carbonates, the imbibed rate is very slow due to the low
relative permeability of the wetting phase (Egermann et al., 2004).
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There is no previous study to investigate the relationship between porosity and imbibition.
However, porosity can be measured through imbibition tests. Wang et al. (2011) showed a
way to measure the total volume of fluid that was imbibed by the sample, and then divide
by the volume of the sample.
Under various lengths of chalk samples, Cuiec et al. (1994) found that oil recovery was
the same but imbibed rates were very different. This was because longer length meant
more contact areas between the sample and fluid. For the sample shape, Schembre et al.
(1998) proved that the shape of the samples had no influence on the imbibition tests if their
cross-sectional areas were similar.
2.3.9 Initial Water Saturation
Initial water saturation of rocks has been considered to be an important factor that can
influence the imbibed rate and ultimate oil recovery during water injection. However, how
the initial water saturation influences imbibition is not clear. It has been observed that
with an increase of the initial water saturation, imbibed rate decreased, resulting in either
a decrease (Blair, 1964; Li et al., 2002) or increase (Cil et al., 1998; Morrow et al., 2002;
Zhou et al., 2000) in oil or gas recovery. Other studies have found that the initial water
saturation has little effect on oil recovery, residual oil saturation, or residual gas saturation
(Akin et al., 2000; Li et al., 2002; Viksund et al., 1998). Morrow et al. (2002) concluded that
it was hard to predict the influence of the initial water saturation because the higher initial
water saturation could lead to lower capillary pressure and greater mobility of the invading
water. Capillary pressure and mobility would have the reverse effect on imbibition. Hence,
the research needed to consider other factors, especially based on varieties of rock formations
(Morrow and Mason, 2001).
2.4 Osmosis
Osmosis describes a spontaneous movement of water molecules from a low salinity to a
high salinity environment. The movement occurs only when a semi-permeable membrane and
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concentration differences exist (Haynie, 2001). The semi-permeable membrane is a barrier
that permits certain molecules to pass through it (Tuwiner, 1962). That permission is based
on molecular size and its electrical property (Gregor and Gregor, 1978).
In geology, clay is considered to be a membrane that has a salt-exclusionary behavior
because of its structure and electrical restriction (Fritze, 1986). Clay minerals have an electric
double layer because a lower valence cation substitutes for a higher valence cation in the clay
structure. Therefore, the surface of the clay mineral has a net negative charge and attracts
cations in the vicinity of the negatively charged substrate to be neutral (Grim, 1968; Stumm
and Morgan, 1970; White et al., 1965). Because of the negative potential between the clay
platelets, the anions of the salt are repelled when they try to pass through the clay so that
the cations of the salt have to stay with those anions to remain electrically neutral. Hence,
salt cannot be transported through the clay, but water is freely permitted to move through
the clay structure (Fritze, 1986).
The ideal membrane only allows water to pass through it. However, clay is not an ideal
membrane. In the non-ideal membrane, salt can also diffuse through the membrane (Rozhko,
2012). For ideal membranes, the chemical potential difference of the water on either side of
the clay is the driving force for osmosis (Eq. 2.2).
∆U = U IIw − U
I
w = ζw∆P − ζw∆Π (2.2)
Uw is chemical potential of water; ζw is mean partial molar volume of water; ∆P is hydrostatic
pressure difference across the membrane; and ∆Π is theoretical osmotic pressure.








R is gas constant; T is temperature; αIw is water activity of the fluid outside rocks; and α
II
w
is water activity of the fluid inside rocks.
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Water activities in solution can get either of Eq. 2.4 (Robinson and Stokes, 1959) or of
the measurement (Kouzel, 1982).
αw = exp(−ΦnmMw) (2.4)
Φ is osmotic coefficient; n is number of constituent ions of the dissociating solute; m is
molality of the solute; and Mw is molal weight of water.
For non-ideal membranes, the observed hydraulic pressure generated by osmosis (∆Po)
is less than the theoretical osmotic pressure from Eq. 2.3. Therefore, a reflection coefficient





The reflection coefficient is measured in an ideal osmotic system at equilibrium (Jv = 0).
There are also some models that can be used to solve that coefficient (Fritz and Marine,
1983; Marine and Fritz, 1981).
In petroleum engineering, osmosis is only studied for its effect during drilling and water
flooding. In drilling, osmotic studies can help optimize mud properties and maintain wellbore
stability (Abass et al., 2006; Bol et al., 1994). Osmotic research in water flooding can be
used to optimize low-salinity water to enhance oil recovery (Fakcharoenphol et al., 2014).
However, there are very few studies on osmosis affecting fluid loss in the shale formation.
2.5 Capillary Imbibition and Osmosis Impact
Types of formation damage from hydraulic fracturing include water blockage, polymer
and gel damage, proppant damage, and clay damage (Charoenwongsa, 2011). Imbibition
and osmosis are the main reasons for serious clay damage in clay rich shale formations. In
addition to clay damage, the imbibed water also causes water blockage in tight gas reservoirs
from massive hydraulic fracturing treatments (Qin, 2007).
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However, there are still questions regarding damage from the imbibition and osmosis of
fracturing fluid in shale formations. These questions are whether fluid loss in shale formations
results in damage or contributes to long-term production. Also, if fluid loss, because of
capillary imbibition and osmosis, has a negative impact, is it permanent or temporary?
2.5.1 Clay Swelling
The imbibed water resulting from hydraulic fracturing can cause clay swelling in shale
formations (Ghanbari et al., 2014). It is difficult to determine, however, whether clay swelling
is harmful or helpful. Dutta et al. (2012) investigated the decrease of the effective gas perme-
ability due to fluid loss and clay swelling. They found that after seven days of spontaneous
imbibition in clay rich regions, the effective gas permeability decreased by as much as 76% of
the original permeability. Hence, clay swelling can damage shale formations. On the other
hand, Morsy and Sheng (2014) had the opinion that clay swelling could create fractures
along bedding in shale formations and thus improve permeability and oil production.
2.5.2 Water Blockage
Water blockage because of fluid loss has been studied through experiments and models.
By using transparent glass to imitate porous media, the experiments illustrate that the non-
wetting phase is trapped when its flow is discontinuous. In the pore throat whose size is much
smaller than the pores, the flow of the non-wetting phase may be disturbed by the wetting
phase so that the shape of the flow becomes like a bridge, Figure 2.6. With a decrease in
capillary pressure, the two interfaces of the wetting and non-wetting phases in the throat
are pushed towards each other and become closer. Then as the bridge begins to be unstable,
the fluid-fluid interfaces suddenly rupture. This process, called snap-off, is the reason for the
trapping of the non-wetting phase (Li and Wardlaw, 1986a,b; Mogensen and Stenby, 1998).
Hadley and Handy (1956) thought that it was the capillary end effect that led to the
water blockage. The capillary end effect happened at the moment that the water was flowing
19
Figure 2.6: Schematic of the snap-off in porous media (Li and Wardlaw, 1986a).
out of the porous media. The capillary pressure suddenly changed direction because of the
varying sizes between the inside and outside of the pores. Therefore, the capillary pressure
became a friction force to block water from leaving.
Reservoir simulation modeling has been used to investigate the impact of imbibition on
formations. These investigations have examined the change of the relative permeability in
the invaded zone. Water imbibition has been found to be an important cause of reduced
relative permeability of gas (Ehrlich, 1970; Land, 1968). However, there are still many
questions about water blockage damage. These questions are whether the damage from water
blockage on the relative permeability is temporary or permanent; and how that damage can
be eliminated.
Holditch (1979) built a gas/water 2D finite difference model to analyze the influence of
water blockage on low permeability, high capillary pressure formations with small pores. He
found that the relative permeability of gas was affected by imbibition after the injection of
the fracturing fluid stopped. But that effect was not permanent. As long as the drawdown
pressure was high enough, the capillary pressure could not influence gas flow. Hence, the
damage to the relative permeability disappeared, and the water blockage had a temporary
impact.
Penny et al. (1983), on the other hand, found that in the laboratory the water blockage
was not temporary, and could significantly influence clean up and gas production. But
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fracturing fluid additives, such as alcohol and alcohol surfactant, could be used to overcome
the water blockage.
Soliman and Hunt (1985) agreed with Penny et al.’s conclusion that water blockage could
not be neglected. They used a model that was similar to Holditch’s model and found that
in a very tight formation, it was difficult for drawdown pressure to be higher than capillary
pressure. Hence, the damage from fracturing fluid was controlled by capillary pressure.
Abrams and Vinegar (1985) designed an experiment to measure gas flow rates in sand-
stone under constant pressure with 6500 psi overburden pressure and 5000 psi pore pressure.
They found that water blockage, at first, reduced the relative permeability in the water
invasion zone, but if the drawdown pressure was several hundred psi higher than capillary
pressure, the relative permeability would increase. Also, contradicting previous findings, it
was concluded that fracturing fluid with the additives of alcohol or alcohol surfactant had
little effect on gas flow rate.
Mahadevan and Sharma (2003, 2005) also used sandstone and limestone samples to do
gas displacement experiments (Figure 2.7). Their approach for the relative permeability
calculation was to divide the gas flow rate that was detected at the outlet end of the core
by the measured dry gas flow rate. According to their results, the conclusion was that
the relative permeability of gas would increase if the gas injection time were long enough.
Another conclusion was that the drawdown pressure could affect the speed of clean up.
In the studies of Bazin et al. (2009, 2010), they measured the absolute permeability
before and after injection of the fracturing fluid in sandstone. The fracturing fluid they used
included polymer molecules. Based on the data from their experiments, they concluded that
fracturing fluid with polymer molecules could not reduce the absolute permeability of the
fluid, but the gas permeability needed a sufficient drawdown pressure to recover.
Some other numerical models and experiments showed that when the shale rock matrix
imbibed fluid from fractures, the relative permeability of gas in the invaded zone decreased.
During production, the imbibed fluid was produced first. Then the gas began to flow through
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Figure 2.7: Schematic of experimental design in Mahadevan and Sharma (2003) study.
the invaded zone to the fractures with the rise of relative permeability of gas in the water
blockage zone (Barati et al., 2009; Charoenwongsa, 2011; Putthaworapoom et al., 2012).
Therefore, the water blockage was temporary.
However, the aforementioned studies about water blockage only investigated the face
damage in sandstone, limestone, or some type of non-shale system. There are few researches




This chapter introduces the experiment that is related to the research in this dissertation.
The introduction includes the experimental principles, apparatuses, and procedures.
3.1 Spontaneous Imbibition Experiment
This experiment was designed to investigate capillary imbibition in shale (Roychaudhuri
et al., 2011). However, osmosis could also be observed during the experiment.
3.1.1 Experimental Principle
The spontaneous imbibition experiment uses an under-weighing approach in which a
sample can be suspended under a balance with wires. The sample is unconfined and is
kept totally immersed in the test fluid throughout the experiment while measurements are
continuously recorded. Figure 3.1 shows the schematic of the under-weighing approach. The
principle of this method is to measure the weight change of the sample when liquid is imbibed
into the porous media of the sample.
Figure 3.1: Schematic of the imbibition experimental design.
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3.1.2 Experimental Apparatus
The balance in the spontaneous imbibition experiment is Mettler Toledo NewClassic MS
204S. This balance can be connected to a computer to automatically record weight changes
of a sample as a function of time. Table 3.1 includes specifications of the balance.
Table 3.1: Specifications of MS 204S balance
Maximum capacity 220 g Readability 0.0001 g
Repeatability 0.1 mg Sensitivity temperature
drift (10-30◦C)
1.5 ppm/ ◦C
Stabilization time 2 s Balance dimensions L ×
W × H
347 × 204 ×
345 mm
3.1.3 Experimental Procedure
In each group of spontaneous imbibition experiments, three tests are run at the same
time until all sample weights reach an asymptote. The simultaneous imbibition experiments
are to provide equal conditions during experiments to minimize factors that can cause vari-
ations in results. In addition, running the tests simultaneously can prevent environmental
disturbances. Figure 3.2 shows the simultaneous imbibition experimental configuration in
the laboratory.
Before the spontaneous imbibition experiment is run, density of the test fluid, and volume
and porosity of the sample are measured. Then, the sample is hung under the balance and
immersed into the test fluid. In general, the test time continues until the asymptotic line of
weight is observed. When analyzing the results, weight changes of the sample are normalized
and converted to imbibed liquid saturation (Eq. 3.1). This conversion makes it possible to
compare results from various rock samples that have different original weights. The equation
used for this calculation is following.





Figure 3.2: Laboratory view of the simultaneous imbibition experiments.
∆W is weight change of the sample; ρl is liquid density; Vs is sample volume; and φ is
porosity.
3.1.4 Error Analysis
During spontaneous imbibition experiments, buoyancy force can significantly distort ex-
perimental results. Reading changes in the balance may be caused by buoyancy changes of
the sample rather than fluid changes in pores of the sample. Therefore, it is very important to
identify and minimize the influence from buoyancy on spontaneous imbibition experiments.
According to the buoyancy equation (Eq. 3.2), buoyancy is changed when immersed volume
and fluid density vary during experiments.
Wb = ρlVi (3.2)
Wb is buoyancy; and Vi is immersed volume.
An example was run to show how immersed volume change affects results. Two shale
samples were in spontaneous imbibition experiments under the same conditions. The two
samples were from the same depth of the same formation, and had very similar sizes. One
sample was totally immersed into water; and the other one was partially immersed (see Fig-
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ure 3.3). During the experiment, the water level decreased in both vessels because of imbi-
bition. If there were no buoyancy effect, the test results of both experiments should have
been very similar. However, according to Figure 3.4, the buoyancy effect is observed when
the balance from the partially immersed sample shows much higher values than those from
the totally immersed sample.
Figure 3.3: Buoyancy examination. Left picture: totally immersed; right picture: partially
immersed.
In the partially immersed experiment, the decrease in the immersed sample volume re-
sulted in a decline of buoyancy. The number that was shown on the balance is extremely high
and did not represent the volume of imbibed fluid. Hence, the totally immersed method is
better because a totally immersed sample can minimize the volume change caused by buoy-
ancy during the spontaneous imbibition experiment.
However, there are still two very small volume changes in the totally immersed method
that effect buoyancy. The first is volume change of the wire that suspends the sample.
In addition, when fluid inside the samples is exchanged and mixes with that outside the
samples, the density of the total fluid mixture is changed and different from the beginning
of the experiment. The differences in fluid mixture density can affect buoyancy and result
in inaccurate measurements. Example calculations for both wire volume changes and fluid
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Figure 3.4: Buoyancy effect observation.
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density changes are shown in the following section.
A typical shale sample data in the experiment is listed in Table 3.2.
Table 3.2: A typical shale sample data for example buoyancy calculation
Sample diameter 1 inch Sample length 1 inch
Porosity 10% Initial water saturation 30%
Table 3.3 lists the necessary information to calculate buoyancy changes resulting from
the immersed wire volume and density variations in the exchanged fluid mixture.
Table 3.3: Necessary information for an example of buoyancy calculation
Wire diameter (28 gauge) 0.0126 inch Beaker diameter (250 cc) 2.5 inch
Specific weight of fluid
outside sample (water)
1 Specific weight of fluid
inside sample
1.2
Fluid volume in beaker 200 cc
For calculation of buoyancy change because of the wire volume change, the water level





∆hs is water level change in beaker; Si is imbibed saturation; and db is beaker diameter.
Therefore, buoyancy change is calculated in Eq. 3.4.
∆Wb = [(dw/2)
2π∆hs]ρl (3.4)
∆Wb is buoyancy change; and dw is wire diameter.
For buoyancy change calculation resulting from fluid density variations, the fluid mixture









ρmixture/outside/inside are fluid density of the mixture, outside sample, and inside sample, re-
spectively; Vmixture/outside/inside are fluid volume of the mixture, outside sample, and inside
sample, respectively.
Therefore, buoyancy change is calculated in Eq. 3.6.
∆Wb = (ρoutside − ρmixture)Vs (3.6)
These calculations assume that the imbibed fluid occupies the whole porous volume, and
the shale sample is fully saturated. When buoyancy changes are calculated, errors in imbibed
liquid saturation can be determined (Eq. 3.7). The results of the calculation are included
in Table 3.4.




Table 3.4: Errors due to buoyancy changes in spontaneous imbibition experiments
Buoyancy change reason Errors Note
Immersed volume change 0.00181% buoyancy decreases so that
imbibed liquid saturation increases
Fluid density change -0.39% buoyancy increases so that
imbibed liquid saturation decreases
In this case, the final imbibed liquid saturation is 70%, and total error due to buoy-
ancy change is -0.38819% (sum of errors in both immersed volume change and fluid density
change). Hence, the relative error is 0.555% (total error is divided by the final imbibed liquid
saturation). In addition, the relative error is maximal. If the porous volume of the sample
is not completely occupied, the relative error should be smaller because wire volume change
and mixture fluid density change are both smaller.
In conclusion, the buoyancy effect is ignored since the error from the effect is very small
for the under weighing method during spontaneous imbibition experiments in shale samples.
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3.2 Permeability Measurement
Permeability measurement for shale samples is a big challenge because the old industry
standard, the steady state method, is not able to efficiently measure permeability of very
tight samples. For shale samples, steady state permeability measurements take a very long
time, sometimes a month, to build a stable pressure difference. However, conventional rock
samples only need several hours. Therefore, the steady state method is not efficient to
measure permeability of shale samples. Another approach, which is called the unsteady
state method, is applied for permeability measurement in shale samples. The pressure build-
up method is one of the unsteady state methods, and it is used in this dissertation.
3.2.1 Measurement Principle
The principle of the pressure build-up method is that the constant inlet pressure of a
confined shale sample is higher than the outlet pressure of the sample. The test records
and analyzes the rate of outlet pressure increase as fluid is pumped through the sample.
Nitrogen is used as the pressure build-up test fluid. Permeability of the shale sample is
derived through the following equations.










ρgs/gt are gas densities at the standard condition and at the test condition, respectively;
Pgs/gt are pressures at the standard condition and at the test condition, respectively; Tgs/gt
are temperature at the standard condition and at the test condition, respectively; Zgs/gt are
compressibility factors in standard condition and in test condition, respectively; M is gas
molar mass; and R is gas constant.















νx is velocity in x direction; and t is time.


























P ′ is introduced and is defined as Eq. 3.13 and Eq. 3.14.
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This gas continuum equation is similar to the equation in Oort’s paper (Oort, 1994).
Oort’s equation is used to characterize liquid permeability in shale samples. The only differ-
ence between the two continuum equations is that pressure in Oort’s equation is changed to
P. Therefore, the gas continuum equation has a similar solution through Oort’s development.





























Vd is downstream reservoir volume; L is sample length; A is sample cross sectional area;
Pinlet/outlet are inlet pressure and outlet pressure, respectively; Pinitial is initial pore pressure.
3.2.2 Measurement Apparatus
Permeability of the shale samples by pressure build-up is measured through the Chandler
Engineering Model 6100 Formation Response Tester (FRT) that is designed and applied to
permeability measurement of a formation sample (Figure 3.5). Figure 3.6 is the FRT control
panel. Specifications of the FRT are listed in Table 3.5.
Figure 3.5: Model 6100 Formation Response Tester.
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Figure 3.6: Control panel of FRT.
Table 3.5: Specifications of Model 6100 FRT
Max pumping pressure, psi 5500 Max confining pressure, psi 6000
System temperature, ◦F 75 to 350 Flow rate, ml/min 0 to 50
Core holder diameter, in 1 Core holder length, in 6
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3.2.3 Measurement Procedure
The pressure build-up procedure had four steps.
The first step was to set confining pressure and open all valves in order to fill the whole
system, including the upstream and downstream reservoirs, with nitrogen at a desired pres-
sure. Thus, the inlet pressure of the sample was equal to the outlet pressure.
The second step was to close valves except the valve for the gas injector so that the
downstream reservoir was isolated. Thus, the inlet pressure that was raised in the next step
was the only source that changed the outlet pressure.
The third step was to quickly increase the inlet pressure and then make it constant.
The last step was to record the increased rate of the outlet pressure. According to the
outlet pressure transient, the permeability of the sample could be derived using Eq. 3.16.
3.3 Wettability Measurement
Wettability of samples was determined through the contact angle measurement.
3.3.1 Measurement Principle
Contact angle is defined as the angle between the tangent of the liquid surface and the
outline of the contacted solid surface. When the contact angle is less than 90◦, the solid is
more wettable for the liquid than for any liquid whose contact angle is larger than 90◦.
3.3.2 Measurement Apparatus
Contact angle was measured using the Kruss Drop Shape Analyzer - DSA100 (Figure 3.7).
The specifications of the DSA 100 are in Table 3.6.
Table 3.6: Specifications of DSA 100
Measuring range 1 to 180◦ Measurement resolution 0.1◦
Zoom 7 times Camera resolution 780 × 580 px
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Figure 3.7: DSA 100 for contact angle measurement.
3.3.3 Measurement Procedure
When measuring contact angles, a camera on the DSA-100 took photos once a drop of
liquid contact the sample surface. Then contact angles were calculated through computer
software.
There are two ways to measure static contact angle with the DSA 100. One is the sessile
drop method; and another one is the captive bubble method. Both methods are used to
measure contact angle in shale samples and are described here.
In the sessile drop method, liquids are dropped on solids through a straight syringe
needle (Figure 3.8). The result of this method represents a contact angle for the air-liquid-
solid system. The sessile drop method has simple procedures and can be finished very fast.
However, most results from this method are less than 90◦, even if some liquids are a non-
wetting phase. The main reason for that problem is that gravity changes the shape of the
liquid drop. In addition, if solids have high surface free energy, liquids spread out too fast
to be captured by the camera.
The captive bubble method measures contact angle under a liquid environment. Test
liquids are injected beneath solids through a bent syringe needle (Figure 3.9). Then, the test
fluid should float up and contact the solid. In order to float up, the density of the test liquid
has to be less than that of the environmental liquid. Hence, in the captive bubble method
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Figure 3.8: Sessile drop method for contact angle measurement.
of this dissertation, the test liquid is oil, and the environmental liquid is water. The captive
bubble method is suitable for solids with high surface free energy and can clearly illustrate
wetting fluids and non-wetting fluids.
Figure 3.9: Captive bubble method for contact angle measurement. Left photo: oil is non-
wetting fluid; right photo: oil is wetting fluid.
Therefore, the results of contact angle measurements, used in the following chapters, are
measured by the captive bubble method.
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3.4 Salinity Measurement
The method for measuring shale pore water salinity is from the paper of Abass et al.
(2006). Salinity of shale pore water is determined and calculated through the following
measurement procedure.
1. Weight, volume and porosity of a sample are measured before drying;
2. The sample is dried until its weight ceases to change;
3. Final weight of the sample is determined;
4. The dried sample is ground into a powder using a mortar and pestle, and mixed with
distilled water to dissolve formation salt in the powder. The volume of distilled water
is measured before it is added to the powder;
5. The mixed fluid is filtered from the powder;
6. The filtered fluid is sent for a water analysis. Ion Chromatography (IC) measures
the chloride ion concentration; and Inductively Coupled Plasma Mass Spectrometry
(ICP-MS) is applied to measure the concentration of potassium ions;






CK+ is concentration of the potassium ions; CCl− is concentration of the chloride ion;
and Vw is distilled water volume.
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CHAPTER 4
CAPILLARY IMBIBITION AND OSMOSIS IN SHALE FORMATIONS
This chapter discusses and examines capillary imbibition and osmosis in shale formations.
It illustrates and proves that osmosis and capillarity both affect fracturing fluid loss in shale
formations.
Capillary imbibition is generally considered to cause fluid loss in sandstone and carbonate.
However, in clay rich shale, osmosis also affects fluid loss and should be considered because
of a salt-exclusionary behavior of clay that is already stated in Chapter 2.
4.1 Shale Samples
Shale samples are obtained from the Horn River, Woodford, and Niobrara shale forma-
tions. Shale samples from the Horn River and Woodford formations are provided through
the courtesy of the companies that have operations in those formations. The Niobrara shale
samples were outcrop and obtained from a quarry near Lyons, Colorado, United States.
Table 4.1 summarizes the rock properties of the shale samples that are from the Horn
River, Woodford, and Niobrara shale formations. In addition to the measurement, Table 4.1
also includes total organic carbon (TOC) content data that were provided by the companies
that contributed the samples.
Table 4.1: Rock and geologic properties of shale samples





Salinity (mg/l) TOC (%)
Horn River 3.6 to 53.3 21.9 to 52.1 17,500 to 92,620 0.55 to 6.83
Woodford 15.0 to 60.8 37.8 to 65.3 35,500 to 130,100 0.6 to 9.17
Niobrara 12.6 to 17.3 25.6 to 51.5 16,000 to 65,500 N/A
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4.1.1 Horn River Shale Samples
The original shale samples from the Horn River formation were half slabs of a 3-1/2 inch
core and approximately 5 to 7 inches long. There were seven slabs. Two were in the Muskwa
Member; two were in the Otter Park Member; and three were in the Evie Member. Muskwa,
Otter Park, and Evie members are the three primary stratums, from top to base, in the
Horn River formation.
The original samples from the Horn River formation were cored with potassium silicate
mud system. During shipping, the samples were thickly sealed by PVC food wrap film.
The sealed condition was kept in the lab until plugging or cutting just before the imbibition
experiments. In addition, the test samples were achieved from very inside the original sample
so that the water-based mud used in coring should have the least influence on the imbibition
experiment. Hence, the initial saturation of the sample during spontaneous experiments was
similar to the original saturation because the sample had limited time to be exposed to air
and other liquids.
The Horn River shale samples were either plugged to be a small cylindrical shape or cut
to be a small cubic shape. During plugging or cutting, cooling air-flow was used to cool
the bit or saw blade. No liquid contacted the test samples before imbibition experiments in
order to prevent interference from other liquid in experiments. The reason for having two
shapes was that some samples were very hard, and others were brittle. It was easy to plug
and get cylindrical samples from the hard cores. Some measurement equipment required a
cylindrical shape. The brittle cores could be cut but they broke very easily when plugging.
Therefore, a cubic shape was the only choice. The cylindrical and cubical samples are shown
in Figure 4.1.
4.1.2 Woodford Shale Samples
The Woodford shale samples were plugs of one inch diameter and various lengths from
half inch to two inches when they were shipped to the lab from the company. The samples
39
Figure 4.1: Horn River shale samples with round cross-section (left) and rectangular cross-
section (right).
were preserved by PVC food wrap film and wax. Hence, the samples were cut to desired
lengths by a power mitre saw. Like the Horn River samples, there was no liquid to contact
samples before imbibition experiments. Figure 4.2 shows a Woodford sample before the
imbibition experiment.
Figure 4.2: The Woodford shale sample before the imbibition experiment.
4.1.3 Niobrara Shale Samples
The Niobrara shale samples were picked up in the quarry and sealed by PVC food wrap
film when transporting. But the initial saturation before the experiment may be different
from the original saturation in the reservoir. This is because the sample was not preserved.
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The original samples were big blocks. Thus, plugging and cutting were applied to achieve
the desired size of the sample. Figure 4.3 is a Niobrara shale sample before the imbibition
experiment.
Figure 4.3: The Niobrara shale sample before the imbibition experiment.
4.1.4 Clay Characterization
For mineral analysis, sample cuttings were collected during plugging or cutting the test
samples. The cutting was adjacent to the sample used for the experiment. Therefore, it was
assumed that the mineral content determined from the X-ray diffraction (XRD) was similar
to the mineral content of the samples that were used in experiments. Table 4.2, Table 4.3,
and Table 4.4 show selected XRD results for clay content of the samples from three shale
formations.
Table 4.2: XRD results of Horn River shale samples (% of Weight)
No. Illite Illite/Smectite Kaolinite Chlorite Total Clay
1 22.2 19.2 1.9 8.4 52.6
2 28.3 14.7 0 0 43
3 3.3 0.5 0 0 3.8
4 9.2 3.0 0 0.1 12.3
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Table 4.3: XRD results of Woodford shale samples (% of Weight)
No. Illite Illite/Smectite Chlorite Total Clay
1 22.8 7.4 0 30.2
2 19.1 6.8 0.7 26.6
3 16.5 0 0 16.5
Table 4.4: XRD results of Niobrara shale samples (% of Weight)
No. Illite Illite/Smectite Chlorite Total Clay
1 4 7 0 11
4.2 Analysis Method
The experimental results discussed in this chapter are from the spontaneous imbibition
experiment whose methodology is stated in Chapter 3. To investigate capillary imbibition
and osmosis, the liquids in the three simultaneous imbibition experiments were 24% (by
weight) KCl, distilled water, and crude oil (API 47), respectively. The 24% (by weight)
KCl water concentration was expected to be higher than the salinity of any shale sample
used in the experiment. In osmosis, as noted previously, water flows from a lower to a higher
salinity environment. Therefore, osmosis can be observed when the imbibed liquid saturation
reduces which means the water inside the sample flows out due to osmosis. However, in real
fracturing operations, both osmosis and capillarity take place in the same direction towards
the reservoir rock where pore water salinity is higher than the usual KCl percentage used in
slick water fracturing.
The distilled water and crude oil in the imbibition experiments were used to determine
the wettability of the sample in order to know the wetting phase and the non-wetting phase.
Capillary pressure was a driving force that pushed the wetting phase fluid into the pore spaces
of the sample. Capillarity is observed when the imbibed liquid saturation of the wetting phase
increases. Although contact angle measurements had already provided results of the sample’s
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wettability, some pore spaces of the sample may have had different wettability resulting
from various minerals and saturation history. Therefore, the results of the wettability from
the imbibition tests were supplementary evidence to examine the conclusions from contact
angle measurements. Once the wetting phase was found, the effect of capillarity could be
determined.
4.3 Capillarity and Osmosis
Both capillarity and osmosis are the key mechanisms in fluid imbibition through simul-
taneous imbibition experiments. The results of these tests illustrate that capillarity and
osmosis alternately dominate fluid flow in shale.
As shown in Figure 4.4, the experiment results from the distilled water and crude oil
indicate that those shale samples from the Horn River formation are water wet because
minimal crude oil was imbibed compared with that of distilled water. The graph of the
24% (by weight) KCl illustrates the three stages that are dominated by capillarity, osmosis,
and capillarity, respectively. Stage one occurred once the sample was immersed in the fluid,
and took only one hour. During the first stage, because of capillary pressure, the 24% (by
weight) KCl fluid was imbibed into the sample and increased the imbibed liquid saturation
up to approximately 9% (see the enlarged graph in Figure 4.5). In Stage two, a decline of the
imbibed liquid saturation was observed indicating that the fluid inside the sample flowed out.
This decline is caused by osmotic pressure because of the concentration difference between
the fluid outside the sample, 252,430 mg/l (24% (by weight) KCl), and the fluid inside the
sample, 21,725 mg/l. Hence, fluid flowed from the low salinity area to the high salinity area
under the domination of osmosis. The capillary pressure, which has a reciprocal relation
to the water saturation, increased when the saturation inside the sample decreased. Stage
three began when the capillary pressure became high enough to control the flow. In the
third stage, the imbibed liquid saturation continued to ascend. During the experiment with
the distilled water, there is no stage that showed decrease because the salinity of the water
outside the sample was lower than that of the fluid inside the sample.
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Figure 4.4: Results of imbibition experiments in 24% (by weight) KCl, distilled water, and
crude oil.
Figure 4.5: Enlarged graph for Stage 1 and Stage 2 in 24% (by weight) KCl, distilled water,
and crude oil.
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In another group of experiments conducted on Horn River shale samples, there were six
separate stages with the 24% (by weight) KCl which showed that capillarity and osmosis al-
ternately dominate the fluid flow (Figure 4.6). Figure 4.6 and its enlarged graph in Figure 4.7,
show imbibed liquid saturation changed in all stages of the experiment in 24% (by weight)
KCl fluid. In Stage 1, the imbibed liquid saturation of 24% (by weight) KCl increased to
10% in twenty minutes. In Stage 2, the imbibed liquid saturation decreased to -11%. Then,
it increased to 18% in the third stage, and decreased again. Those increases and decreases
were repeated in the fifth and sixth stages. When the capillary pressure controlled, a large
volume of the water was imbibed by the sample so that the capillary pressure dropped off
as the saturation increased. Then, the osmotic process was observed and the imbibed liquid
saturation decreased. As the liquid saturation decreased, the capillary pressure increased
and dominated fluid flow again. However, it needs to clarify the stages in these two cases of
Horn River samples are used to academically explain how osmosis and capillarity may work.
There may be more stages during the experiment.
Another conclusion from Figure 4.6 is that the wettability of the samples can be investi-
gated through the imbibition experiments. The contact angle measurements show that the
three samples are all water wet. The crude oil is the non-wetting phase. However, in the
imbibition tests the crude oil is still imbibed by the sample, but the amount of the imbibed
volume is much less than that of distilled water. Therefore, the samples are water wet, but
some pore spaces in the samples are oil wet.
The experimental results from the Woodford and Niobrara shale samples are different
from the results from the Horn River shale samples (Figure 4.8, Figure 4.9). In both the Nio-
brara and Woodford shale samples, capillarity dominated when the samples were immersed
in the 24% (by weight) KCl, and the imbibed liquid saturation continued to increase until
the asymptote was reached. Then the imbibed liquid saturation began to decline because of
osmosis.
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Figure 4.6: Results of imbibition experiments for the Horn River shale samples.
Figure 4.7: Enlarged graph for Stage 1 and Stage 2 in the Horn River shale samples.
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Figure 4.8: Results of imbibition experiments for the Woodford shale samples.
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Figure 4.9: Results of imbibition experiments for the Niobrara shale samples.
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The reason for those differences in imbibition was that the samples from the Niobrara
and Woodford formations had very low initial water saturations. Initial water saturation
was determined by measuring the sample weight before and after drying. The measured
sample was collected from core adjacent to the core used for the imbibition experiment. To
determine the initial water saturation, the sample was dried in an oven at 275 F until there
was no weight change. The difference in weight before and after drying was the initial weight
of fluid in the sample. Then, the initial water saturation of the sample was calculated based
on its bulk volume, porosity, and fluid density (assuming it is equal to the water density).
The initial water saturation of the Woodford shale sample in the 24% (by weight) KCl
was about 23.4%, and that of the Niobrara shale sample in 24% (by weight) KCl was ap-
proximately 17%. Both initial saturations were lower than the saturation of the Horn River
shale samples in 24% (by weight) KCl which was about 50%. Therefore, the capillary pres-
sure in those samples with lower saturations was much higher and stronger, and as a result,
the capillarity dominated at first during the imbibition experiment. Then, osmosis began to
control the fluid flow when the saturation of the sample was high enough and the capillary
pressure was lower than the osmotic pressure. In addition, the duration of Stage 1 in both
the Niobrara and Woodford shale samples was much longer than that in the Horn River
shale samples. A possible explanation is that for the Niobrara and Woodford shale samples,
because of lower initial water saturation the sample needed more time to achieve sufficient
imbibed volume to lead to high enough water saturation and the change of dominant pressure
from capillary pressure to osmotic pressure.
In order to prove the conclusion that capillarity dominates the fluid flow when samples
are at very low initial water saturations, spontaneous imbibition experiments were run on
three dried shale samples from the Horn River, Woodford, and Niobrara shale formations,
respectively. Before starting the experiments, the three samples were dried in an oven at 275
◦F for several days until there was no weight change. Therefore, all the three samples had
very low initial water saturations at the beginning of the spontaneous imbibition experiments.
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According to Figure 4.10, in 24% (by weight) KCl test fluid, all samples, including the sample
from the Horn River formation, behaved similarly in that imbibed liquid saturation continued
to increase until reaching peak saturation, and then began to decrease. The decrease in
liquid saturation did not appear at the early stage of the experiments. The increase in liquid
saturation was still believed to be controlled by capillarity, and the decrease was dominated
by osmosis. Hence, capillarity strongly controls fluid loss when the fluid first contacts rock
that is at a sub-irreducible water saturation.
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Figure 4.10: Results of imbibition experiments for the dried shale samples.
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CHAPTER 5
PARAMETER INFLUENCE ON CAPILLARY IMBIBITION AND OSMOSIS
This chapter includes experimental results of the shale sample in various formation con-
ditions and fracturing fluid types. It investigates how much of the fracturing fluid is imbibed
by shale rocks as a function of time, and also studies the influence of various parameters
including: mineral content of rocks, contact angles, shale pore water salinity, initial water
saturation, and fracturing fluid types.
5.1 Analysis Method
The experiments in this chapter involve the spontaneous imbibition experiment, the
contact angle measurement, and the salinity measurement.
5.1.1 Shale Sample Preparation
During the experiments, only one face of the shale sample was allowed to contact the test
fluid, other faces were sealed by waterproof silicone. This step was to keep the same surface
area for all samples. In addition, it corresponded to the situation in the fracture-matrix
system where only one face of matrix touched fluid in fractures. The face was vertical when
immersed in test fluids (Figure 5.1).
5.1.2 Test Fluid
The test fluids in this chapter include 2% (by weight) KCl, 24% (by weight) KCl, 0.07%
(by volume) friction reducer, and 2% (by volume) KCl substitute fluids. The original KCl
is powder. The additives of friction reducer and KCl substitute are from Calfrac Well
Service. Friction reducer is a type of polyacrylamide; and KCl substitute is made with
choline chloride, magnesium chloride, and tetramethyl ammonium chloride (TMAC). All of
the chemical additives are mixed with distilled water. Because of this, distilled water is also
used in the experiments as a control group.
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Figure 5.1: Schematic of the sample in the test fluid.
5.2 Mineral Content
Mineral content was the first parameter to be investigated. Based on experimental results,
no direct influence from mineralogy, such as calcite and feldspar, was found on the fracturing
fluid loss process in shale rocks. However, clay mineral did appear to have a large impact, and
is believed to be one of the most important factors to affect fluid loss. During experiments,
the shale samples that had higher clay content were observed to imbibe much more test fluid
than shale samples with less clay minerals. Figure 5.2, Figure 5.3, and Figure 5.4 show the
clay mineral effect in three test fluids.
In Figure 5.2, Figure 5.3, and Figure 5.4, solid lines represent 30% and 53% clay content
samples, while dashed lines represent 4% and 12% clay content shale samples. Generally, the
samples with higher clay content can imbibe about 15% to 70% more fracturing fluids than
those with lower clay content. One explanation for this is that clay has a strong ability to
expand and hold water-based fluids. With the 2% (by weight) KCl test fluid, the amount of
imbibed liquid saturation rises along with clay content increase in the samples. When 0.07%
(by volume) friction reducer fluid was tested, the sample with 53% clay content imbibed more
volume than the sample in 2% (by weight) KCl. The result indicates that 2% (by weight)
KCl did inhibit capillary imbibition and osmosis in shale samples with high clay content,
but this inhibition was weak. The other three test samples have similar final imbibed liquid
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Figure 5.2: Diagram of the effect of clay content in 2% (by weight) KCl test fluid.
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Figure 5.3: Diagram of the effect of clay content in 0.07% (by volume) friction reducer test fluid.
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Figure 5.4: Diagram of the effect of clay content in 2% (by volume) KCl substitute test fluid.
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saturations in both 2% (by weight) KCl and 0.07% (by volume) friction reducer test fluids.
However, the sample with 12% clay content in 0.07% (by volume) friction reducer took a
long time to reach the asymptotic line. In other words, its fluid loss rate was slow. The fluid
loss rate is affected by contact angle related to wettability and pore water salinity. These
effects will be discussed later. In the 2% (by volume) KCl substitute test fluid, it was still
observed that more imbibed liquid saturation occurred in shale samples with higher clay
content than in those with lower clay content. However, the total imbibed liquid saturations
in all four samples in 2% (by volume) KCl substitute were lower than the total imbibed liquid
saturation in either of the 2% (by weight) KCl and 0.07% (by volume) friction reducer. In
addition, the reduction of imbibed liquid saturations was approximately 50% in samples
with high clay content. Therefore, 2% (by volume) KCl substitute showed a good ability to
inhibit clay to expand and hold water.
In the spontaneous imbibition experiment, it was observed that imbibed liquid saturation
was higher than 100%. This observation can be explained by high clay content because clay
swelling increased the volume of porous space and resulted in a higher porosity and more in-
vaded fluid. When measured weight was transfered to imbibed liquid saturation, the porosity
used was the original value before the experiment. Therefore, the imbibed liquid saturation
sometimes was higher than 100% because the imbibed volume of the fluid was larger than
original pore volume. However, this observation is limited to the conditions of atmospheric
pressure and room temperature at which these spontaneous imbibition experiments were
conducted. The samples were not confined during spontaneous imbibition experiments. It
should be pointed out that at reservoir conditions the additional fluid might not be imbibed
because in-situ stresses restrains expansion of pore volume in the shale formation. In future
work, imbibition experiments should be designed at reservoir stress and temperature.
5.3 Contact Angle
Contact angle was found to affect imbibition rate during capillary imbibition process.
The slope of the lines, imbibed liquid saturation vs. time, shown in the following diagrams,
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is the imbibition rate. According to results in Figure 5.5, when the contact angle was the
smallest at 37.0◦, the imbibition rate was the fastest during the first 24 hours. Then the
rate of the 37.0◦ sample gradually decreased until the rate became zero. For the other two
samples that had very similar contact angles, 48.8◦ and 52.1◦, the imbibition rates were very
close at the early time of the fluid loss process. Then fluid loss in the sample of 52.1◦ was
almost finished and the imbibition rate became zero. For the sample with a contact angle of
48.8◦, the experiment continued because of the effect from clay content which was discussed
earlier. In Figure 5.6, when contact angles were 26.4◦ and 27.8◦ which were very close, the
imbibition rates also resembled each other. But the sample with the largest contact angle
of 48.3◦ had the slowest imbibition rate of all three samples. Therefore, imbibition rates are
expected to be faster when contact angles are smaller; and if the contact angles are very
similar, their imbibition rates are also similar.
Contact angle is related to wettability. Contact angle is used to distinguish the wetting
phase and non-wetting phase. If the angle is less than 90◦, the liquid is the wetting phase for
this solid; while if the angle is greater than 90◦, the liquid is the non-wetting phase. When
the contact angle of water on the rock surface is smaller than 90◦ and is approaching 0◦, the
rock is strongly water-wet and strongly prefers to contact water. Therefore, shale samples
that are strongly water wet are expected to have faster imbibition rates.
5.4 Pore Water Salinity
When osmosis dominates the fluid loss process, with higher pore water salinity the rate
of osmosis is faster (Figure 5.7). The shale samples in Figure 5.7 have similar contact angles.
According to the osmotic pressure equation in Chapter 2 (Eq. 2.3), osmotic pressure is
only based on the water activity. The gas constant, temperature, and mean partial molar
volume in Eq. 2.3 are considered to stay the same for all the imbibition experiments. The
water activity depends on the salinity of the fluid. The water activity of pure distilled water
is one, and decreases to zero with an increase in salinity. Hence, when the water activity of
the fluid outside the rock is constant, the higher salinity inside the rock leads to a smaller
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Figure 5.5: Diagram of the contact angle effect on shale samples in 0.07% (by volume) friction reducer test fluid.
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Figure 5.6: Diagram of the contact angle effect on shale samples in 2% (by weight) KCl test fluid.
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Figure 5.7: Diagram of the pore water salinity effect.
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water activity of the fluid inside rocks and a higher osmotic pressure. Therefore, higher
osmotic pressure causes a faster rate of osmosis.
5.5 Initial Water Saturation
In most shale formations that are under sub-irreducible water saturated condition, the
initial waster saturation is much low. In order to investigate the influence from initial water
saturation, some samples had their initial water saturation changed by being dried in an
oven at 275 ◦F before the imbibition experiment was run. The drying was continued until
there was no weight change in the sample. Thus, that sample could be considered to have
very low initial water saturation. Another sample that was adjacent to the dried sample was
directly applied to the imbibition experiment in the same test fluid with the original initial
water saturation. Figure 5.8 shows the result of dried samples and non-dried samples in each
test fluid. Dashed lines represent the experiment of the dried samples that have the lower
initial water saturation. The solid lines represent the experiment of the non-dried samples
that have the higher initial water saturation. In all four types of the test fluids, the sample
with lower initial water saturation was imbibed much more and faster than the sample with
higher initial water saturation. The difference of the imbibed liquid saturation between the
dried and non-dried samples is almost 80% in all test fluids.
As discussed in the last chapter, the reason for those different results is that the lower
water saturation causes higher and stronger capillary pressure. Thus, as a result, the loss
volume is more and the rate is faster. In summary, when the sample has low initial water
saturation, it is expected to result in a fast rate and a large volume of the fluid loss.
5.6 Fracturing Fluid Types
Various fracturing fluids influenced the capillary imbibition and osmosis process, and the
effects strongly depended on the clay content of shale rocks. When shale samples had 53%,
43%, and 30% clay content, 0.07% (by volume) friction reducer was observed to have the
highest imbibed liquid saturation, which meant the most imbibed volume based on the pore
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Figure 5.8: Diagram of the initial water saturation effect.
volume, among all the test fluids including 2% (by weight) KCl, 0.07% (by volume) friction
reducer, and 2% (by volume) KCl substitute (Figure 5.9, Figure 5.10, and Figure 5.11). In
the sample with 53% clay content, final imbibed liquid saturation of 0.07% (by volume)
friction reducer was more than 110%; while in the sample with 43% clay content, the final
imbibed liquid saturation decreased to about 100%; and in the sample with 30% clay content,
the final saturation was only 80%. Therefore, the total imbibed liquid saturation of 0.07%
(by volume) friction reducer decreases with the decline of clay content in shale samples. For
the 2% (by weight) KCl test fluid, the total imbibed liquid saturation was around 70% in
those samples with 53%, 43%, and 30% clay content. However, the total imbibed liquid
saturation varied in 2% (by volume) KCl substitute.
Figure 5.12 and Figure 5.13 show when shale samples had 4% and 18% clay content
which was much less than the shale samples described above, the spontaneous imbibition
experiment showed that 2% (by weight) KCl fluid was imbibed the most among 0.07% (by
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Figure 5.9: Diagram of the influence from fracturing fluids on samples with 53% clay content.
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Figure 5.10: Diagram of the influence from fracturing fluids on samples with 43% clay content.
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Figure 5.11: Diagram of the influence from fracturing fluids on samples with 30% clay content.
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Figure 5.12: Diagram of the influence from fracturing fluids on samples with 18% clay content.
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Figure 5.13: Diagram of the influence from fracturing fluids on samples with 4% clay content.
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volume) friction reducer, 2% (by weight) KCl, and 2% (by volume) KCl substitute fluids.
The reason for this change is that 2% (by weight) KCl was still imbibed at the same total
liquid saturation of 70%, but the imbibed liquid saturation of 0.07% (by volume) friction
reducer decreased to only about 35%. In Figure 5.13, the experiment in 2% (by weight) KCl
test fluid accidentally stopped at about 180 hours so that the imbibed liquid rate was about
58%. However, it is believed that if the experiment had not stopped, the final imbibed liquid
saturation could have reached as high as 70%.
If fluid imbibition experiments using distilled water with additives have various behaviors,
like fluid loss rate and amount, different from a distilled water only control group, additives
do contribute to the fluid loss process. According to the experimental results shown in Fig-
ure 5.9 through Figure 5.13, additives of KCl, friction reducer, and KCl substitute did lead
to different fluid loss behaviors from the distilled water control group.
Therefore, for shale samples with high clay content, for example more than 30%, 0.07%
(by volume) friction reducer fluid imbibed from 8% to 40% more than that of 2% (by weight)
KCl and 2% (by volume) KCl substitute fluid. On the other hand, if shale rocks had low
clay content, for example 4% and 18% samples, 2% (by weight) KCl fluid imbibed from 20%
to 40% more than the other two fluid types.
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CHAPTER 6
IMPACT OF CAPILLARY IMBIBITION AND OSMOSIS
This chapter discusses the influence of capillary imbibition and osmosis on shale forma-
tions. Permeability is studied as the criterion of impact. Through experiments, this chapter
investigates permeability changes because of capillary imbibition and osmosis under various
fracturing fluids in shale.
6.1 Analysis Method
The determination of permeability changes as a function of fluid loss is the main ob-
jective of the experiment. Therefore, the experiment consists of two parts: permeability
measurement by the pressure build-up method and the spontaneous imbibition experiment.
For each sample experimental run, the original sample permeability was first determined
through the permeability measurement. Then, the sample was immersed into a test fluid to
begin the spontaneous imbibition experiment. The sample permeability was measured again
after one or two days. After that, the sample was put back into the test fluid to continue
the spontaneous imbibition experiment for another day. The permeability measurement was
repeated, and the spontaneous imbibition experiment was again followed. The duration of
these repeated experiments was usually one week and sometimes up to one month. Finally,
varying permeabilities were recorded as a function of time for the fluid loss process.
Based on spontaneous imbibition experiments and permeability measurements, the fol-
lowing sections discuss the influence of capillary imbibition and osmosis in shale samples on
the matrix permeability, micro-fracture permeability, and fracture permeability, respectively.
6.2 Impact on Matrix Permeability
The first sample used in the experiment was from the Niobrara formation with a 0.07%
(by volume) friction reducer test fluid. The experimental time was as long as thirty-eight
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days so that the long-term effect of capillary imbibition and osmosis could be observed.
Figure 6.1 and Figure 6.2 show photos of the sample at the beginning and at the end of
the experiment, respectively. No micro-fractures were observed in the photos. Therefore,
it is probable that the permeability measurement in this experiment represented matrix
permeability.
Figure 6.1: Top and bottom faces of the Niobrara sample at the beginning of the experiment
with 0.07% (by volume) friction reducer.
Figure 6.2: Top and bottom faces of the Niobrara sample at the end of the experiment with
0.07% (by volume) friction reducer.
According to the spontaneous imbibition experimental result in Figure 6.3, it can be seen
that the imbibed volume of the test fluid was larger on the first day than on any other day.
The imbibed liquid saturation increased by more than 45%. After the first day, the rate of
imbibed liquid saturation became very slow. After five days, the sample was fully saturated,
and the imbibed liquid saturation was almost constant.
The permeability values measured during the 38-day spontaneous imbibition experiment
are summarized in Figure 6.4.
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Figure 6.3: Spontaneous Imbibition experiment result of the Niobrara sample in 0.07% (by
volume) friction reducer.
Permeability on Day 0 was the original permeability of the sample before the imbibition
experiments. The original permeability was the standard by which the impact was mea-
sured. According to the permeability measurements, the sample had the largest reduction
in permeability after Day 1 from about five hundred nanodarcies to tens nanodarcies. This
more than 90% reduction in permeability coincides with and can be explained by the nearly
45% increase in imbibed liquid saturation on the same day.
For the remainder of this sample test, the permeability values varied, but all of them still
kept in about tens nanodarcies. On the thirty-eighth day, the permeability was less than 12
nanodarcies higher than after the first day of the spontaneous imbibition experiment. As was
mentioned before, the permeability measurements represent the matrix permeability of the
sample. Therefore, in the experiment, the matrix permeability was reduced from hundreds
of nanodarcies to tens of nanodarcies. Also, there was no observation to prove any recovery
of the matrix permeability. Thus, it can be concluded that the matrix permeability was
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Figure 6.4: Permeability change of the Niobrara sample in 0.07% (by volume) friction re-
ducer.
seriously damaged when the shale sample was immersed in the 0.07% (by volume) friction
reducer fluid.
The permeability measurement on the twenty-ninth day was conducted under a different
drawdown pressure from that in other days. Normally, the pressure difference along the sam-
ple was approximately 400 psi. In the measurement on the twenty-ninth day, the drawdown
pressure was increased to almost two times to about 800 psi. That change was to investigate
whether the damage was temporary and disappeared as long as the drawdown pressure in-
creased. But according to the measurements, values on the twenty-eighth and twenty-ninth
day showed no significant difference in matrix permeability when a high drawdown pressure
was applied. In other words, the permeability could not be recovered as it is suggested by
previous studies. This is because the damage that decreases permeability in shale rocks is
caused by both clay swelling and water blockage. Even if water blockage could really be
eliminated by increasing drawdown pressure, the permeability could still not be recovered
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because of clay swelling.
Another sample from the Niobrara formation was tested in 7% (by weight) KCl for
38 days. For this sample, the experiment also measured matrix permeability. Figure 6.5
and Figure 6.6 show the sample on Day 0 and Day 38, respectively.
Figure 6.5: Top and bottom faces of the Niobrara sample on Day 1 of the experiment with
7% (by weight) KCl.
Figure 6.6: Top and bottom faces of the Niobrara sample on Day 38 of the experiment with
7% (by weight) KCl.
The results of the spontaneous imbibition experiment and permeability measurements
are combined in Figure 6.7.
Based on the results of the imbibition experiment in 7% (by weight) KCl fluid, the
largest imbibed volume also occurred on the first two days. The imbibed liquid saturation
reached 60% and the corresponding matrix permeability was reduced by 75%. After the
second day, the measured matrix permeability of the sample continued to decrease. At
the end of the experiment, the imbibed liquid saturation was approximately 65%, and the
matrix permeability was reduced by 95%. Therefore, the result of this experiment proves the
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Figure 6.7: Imbibition experiment and permeability change of the Niobrara sample in 7%
(by weight) KCl.
conclusion that capillary imbibition and osmosis of the fracturing fluid damage and reduce
matrix permeability of the shale sample.
The third shale sample was from the Horn River formation. This sample was not observed
micro-fractures before the 7-day experiment either (see Figure 6.8). The results of the
spontaneous imbibition experiment with 0.07% (by volume) friction reducer and permeability
measurements are seen in Figure 6.9.
Figure 6.8: Top and bottom faces of the Horn River sample at the beginning of the experi-
ment with 0.07% (by volume) friction reducer.
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Figure 6.9: Imbibition experiment and permeability change of the Horn River sample in
0.07% (by volume) friction reducer.
The original permeability of the Horn River shale sample was only about 72 nanodarcies.
As expected, when the test fluid was imbibed by the sample, the matrix permeability was
reduced by 90% that was similar to the percentage of the reduction in the previous two cases.
6.3 Impact on Micro-Fracture Permeability
Permeability of the test Niobrara sample was affected by micro-fractures. Micro-fractures
can be observed in Figure 6.10. The micro-fractures were indicated by acetone, which is an
organic compound that evaporates very fast. If there is a fracture, the evaporation in the
fracture is slower than on the sample surface. Thus, the fracture was marked.
The summary of the imbibed liquid saturation and permeability change are plotted in Fig-
ure 6.11. The permeability units are in microdarcies.
The original permeability was about three microdarcies and was much higher than the
matrix permeability of the two previous Niobrara samples. All three Niobrara samples
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Figure 6.10: The Niobrara sample with micro-fractures at the beginning of the experiment
with the mixture of 7% (by weight) KCl and 0.07% (by volume) friction reducer.
Figure 6.11: Imbibition experiment and permeability change of the Niobrara sample with
micro-fractures in the mixture of 7% (by weight) KCl and 0.07% (by volume) friction reducer.
77
were plugged from the original core in close proximity. Therefore, it is believed that the
micro-fractures affect the sample, and the permeability measured in the third sample is
the micro-fracture permeability. During the experiment the micro-fracture permeability
increased from three microdarcies to five hundred microdarcies. This increase in permeability
was an opposite behavior to the reduction in matrix permeability that was observed in the
previous two experiments. Based on the imbibition experiment data between Day 0 and Day
1, the imbibed liquid saturation was increased more than 40%. This first day increase was
similar to the previous samples. But over the second day, there was a shapely unusual rising
from 40% to 58%. One reasonable explanation was that the micro-fracture was opened and
imbibed additional fluid volume. This explanation is supported by Figure 6.12 which shows
that by the end of the second day, the shale sample was separated along the micro-fractures.
Because of the separation, the experiment had to be ceased.
Figure 6.12: The Niobrara sample with micro-fractures at the end of the second day in the
mixture of 7% (by weight) KCl and 0.07% (by volume) friction reducer.
The increase in micro-fracture permeability by capillary imbibition and osmosis was also
found in other shale samples. In the Horn River formation sample (Figure 6.13), micro-
fractures were obvious and influenced permeability measurement.
The original permeability of this sample was about sixty microdarcies and was believed to
be micro-fracture permeability. After one day of the spontaneous imbibition experiment, the
permeability rose to two hundred microdarcies. The results of its permeability measurements
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Figure 6.13: The Horn River sample with micro-fractures before the experiment with 0.07%
(by volume) friction reducer.
are in Figure 6.14.
The experiment was stopped after the first day when the sample was separated along
micro-fractures (see Figure 6.15).
The reason for the micro-fracture permeability increase is not clear. One possible expla-
nation is that the imbibed fluid may have some physical or chemical reactions with micro-
fracture surfaces and fill. These reactions may reopen the micro-fracture and increase the
permeability. To support this theory, this section later will show some experimental results
from fractured shale samples whose fractures are already naturally separated and do not
have fill. The permeability in those fractured shale samples did not increase during capillary
imbibition and osmosis. However, there needs to be more investigations to support this ex-
planation. In addition, further studies should also determine what the reaction is and how
the fracture fill reacts with the imbibed fluid.
Other explanations need to be discussed, too. For example, the cohesive strength of the
fracture decreases leading to shear failure. Although the reason is unknown, a lubrication
effect of micro-fractures causes an increase in permeability from a macroscopic view.
The phenomenon of lubrication could be confirmed by the following three shale samples.
In these experiments, the micro-fracture effect was not observed before the spontaneous
imbibition experiment commenced. But when the sample contacted the fracturing fluid for
several days, the lubrication resulted in an increase of permeability.
79
Figure 6.14: Permeability measurement results of the Horn River sample with micro-fractures
in 0.07% (by volume) friction reducer.
Figure 6.15: The Horn River sample with micro-fractures after the experiment with 0.07%
(by volume) friction reducer.
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The first sample was from the Horn River formation. There were no micro-fractures
observed on the sample before the experiment (Figure 6.16).
Figure 6.16: All faces of the Horn River sample with the lubrication effect before the exper-
iment with 0.07% (by volume) friction reducer
Because there were no micro-fractures to contribute to the sample permeability, the
original permeability was only about 38 nanodarcies that were so low to be believed the
matrix permeability of the Horn River sample. During the first three days, permeability
measurement indicated that the sample permeability stayed fairly constant. However, on
the seventh day, the permeability rose sharply to 305 microdarcies. The summary of the
permeability measurement is in Table 6.1. Also, on the seventh day, micro-fractures were
observed (Figure 6.17).
Table 6.1: Permeability measurement results of the Horn River sample with the lubrication
effect in 0.07% (by volume) friction reducer
Day Permeability, nD Day Permeability, nD
0 38.6 1 37.4
2 49.1 3 58.9
7 305417.3
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Figure 6.17: The Horn River sample with the lubrication effect at the seventh day in 0.07%
(by volume) friction reducer.
In Table 6.1 and Figure 6.18, the imbibed liquid saturation change of the Horn River
sample was similar to that of previous samples during the first three days of the experiment.
Most of the fluid volume was imbibed on the first day. After Day 1, the imbibed liquid
saturation rate became slower and slower. However, the sample permeability did not have the
characteristic reduction in matrix permeability that was expected during capillary imbibition
and osmosis. A possible reason for this unusual change is that the imbibed friction reducer
fluid slowly ”lubricated” micro-fractures and reopened them. Thus, the original measured
permeability was matrix permeability and was still decreased during capillary imbibition and
osmosis; at the same time, the micro-fracture permeability increased but very slowly. As
a result, the total permeability was constant until the seventh day. By Day 7, the micro-
fractures were reopened enough so that the permeability became dominated by the micro-
fracture system and the permeability increased from 38 nanodarcies to 305 microdarcies.
In another Horn River shale sample, the original permeability was about 23 nanodarcies.
This permeability was so low to be considered as matrix permeability. During imbibition
in 7% (by weight) KCl, micro-fractures were reopened and the permeability was slowly
increased. Figure 6.19 is a graph of the permeability measurements. The photos of the
sample are in Figure 6.20 and Figure 6.21.
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Figure 6.18: Imbibition experiment and permeability change of the Horn River sample with
the lubrication effect in 0.07% (by volume) friction reducer.
Also, the Niobrara shale sample had a similar lubrication effect. This effect during
capillary imbibition and osmosis in distilled water can be seen from Figure 6.22 and in the
photos (Figure 6.23 and Figure 6.24).
In order to investigate whether water-based fluid caused the lubrication, crude oil was
used as the test fluid during the spontaneous imbibition experiment in two shale samples.
These two shale samples were from the Horn River and Niobrara formations, respectively.
For the sample from the Horn River formation, micro-fractures were observed on the sample,
and affect the original permeability. The original permeability was about eighty microdarcies
that were much higher than matrix permeability of the Horn River sample that was tens
of nanodarcies. The original Niobrara shale sample was approximately eighty nanodarcies,
and was believed to be matrix permeability as no micro-fractures were visible on the sample
surfaces. Figure 6.25 shows the Horn River sample before the experiment. Figure 6.26 is for
the Niobrara shale sample.
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Figure 6.19: Permeability change of the Horn River sample with the lubrication effect in 7%
(by weight) KCl.
Figure 6.20: All faces of the Horn River sample with the lubrication effect before the exper-
iment with 7% (by weight) KCl.
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Figure 6.21: The Horn River sample with the lubrication effect after the experiment with
7% (by weight) KCl.
Figure 6.22: Permeability measurement results of the Niobrara sample with the lubrication
effect in distilled water.
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Figure 6.23: The Niobrara sample with the lubrication effect at the beginning of the exper-
iment with distilled water.
Figure 6.24: The Niobrara sample with the lubrication effect at the end of the experiment
with distilled water.
Figure 6.25: The Horn River sample before the experiment with crude oil.
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Figure 6.26: The Niobrara sample before the experiment with crude oil.
No lubrication effects were observed on samples tested with the crude oil. In the Horn
River shale sample that already had micro-fractures, the permeability was still reduced from
about eighty microdarcies to four nanodarcies during the spontaneous imbibition experiment
of crude oil. The permeability of the Niobrara sample was also seriously decreased to only
two nanodarcies. Both of these final permeability results suggest that the samples were
damaged by crude oil seriously enough that the nitrogen test gas could not flow through
the samples. The permeability results of these two samples are in Table 6.2. According
to the result, it can be concluded that lubricated effect in shale samples mainly exists in
water-based fluid.
Table 6.2: Permeability measurement results of the Horn River sample and Niobrara sample
in crude oil
Horn River sample Niobrara sample
Day Permeability, nD Day Permeability, nD
0 80408.8 0 78.9
2 155.9 2 25.5
5 4.3 5 2.4
The photos of those samples after the experiment are in Figure 6.27 and Figure 6.28.
One thing needs to be clarified that the damage from crude oil should not be caused by
clay swelling or water blockage. That is because clay swelling and water blockage cannot
happen in oil. The damage from crude oil may result from condensate banking, but that
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Figure 6.27: The Horn River sample after the experiment with crude oil.
Figure 6.28: The Niobrara sample after the experiment with crude oil.
was not the objective in this dissertation.
6.4 Impact on Fracture Permeability
All shale samples used in this chapter from the Woodford formation have natural fractures
that are separated (see Figure 6.29). Since the sample was already separated, steel wires
were used to tighten all parts of the sample together and to ensure no movement of faces in
fractures during the experiment.
The original permeability of samples with separated natural fractures was in the millidar-
cies and is referred to as fracture permeability. The first Woodford sample was tested in 7%
(by weight) KCl fluid. Its original permeability was larger than one millidarcy. But after five
days under the spontaneous imbibition experiment, the fracture permeability was reduced to
three hundred microdarcies. The final fracture permeability was reduced by about 70% that
was not as large as the decrease in matrix permeability that was decreased by more than
90% in the first three cases of this chapter, but the separated fracture was not ”lubricated”
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Figure 6.29: The Woodford sample.
during capillary imbibition and osmosis, either. The imbibed saturation and corresponding
permeability change are shown in Figure 6.30.
During the first two days of the imbibition experiment, the imbibed liquid saturation
increased the most so that the permeability was reduced by six hundred microdarcies. After
two days, the rate slowed, and the permeability continued to decrease. Figure 6.31 and Fig-
ure 6.32 shows that the faces of the sample before and after the experiment were not signif-
icantly different.
However, in another Woodford shale sample, some micro-fractures were reopened during
the experiment in 7% (by weight) KCl fluid (see Figure 6.33 and Figure 6.34). It is believed
that the lubrication effect caused the micro-fractures to reopen. Comparing results of this
sample to the previous sample, the lubrication appears to have affected only micro-fractures
and did not influence the separated natural fractures. This may be because lubrication
results from the reaction between the imbibed fluid and the fill in micro-fractures, and there
is very little fill in separated fractures.
In addition to these photos, the permeability measurements also support the theory that
the lubrication effect exists (Figure 6.35, note: unit is mD). The original permeability of
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Figure 6.30: Imbibition experiment and permeability change of the Woodford sample in 7%
(by weight) KCl.
Figure 6.31: The Woodford sample on Day 0 of the experiment in 7% (by weight) KCl.
Figure 6.32: The Woodford sample on Day 5 of the experiment in 7% (by weight) KCl.
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Figure 6.33: The Woodford sample with the lubrication effect at the beginning of the exper-
iment in 7% (by weight) KCl.
Figure 6.34: The Woodford sample with the lubrication effect at the end of the experiment
in 7% (by weight) KCl.
3.65 millidarcies was increased to about 4.5 millidarcies.
The third sample from the Woodford shale formation was tested in 0.07% (by volume)
friction reducer. This sample had a main fracture that was separated, but did not have any
obvious micro-fractures. The sample is shown in Figure 6.36 and Figure 6.37.
Because there was no lubrication effect on the sample, the permeability of the sample
decreased as expected. Figure 6.38 shows the results of permeability measurement and the
imbibition experiment. The decrease of the fracture permeability was only one hundred
microdarcies, and the percentage of reduction was 15%. There is one question about this
result. In the first sample of the Woodford shale samples, the imbibed liquid saturation
is less than 30%, but the fracture permeability was reduced by 70%. In contrast, in this
sample with 0.07% (by volume) friction reducer, the imbibed liquid saturation was much
larger at 70%, but the fracture permeability only had a reduction of 15%, which was much
less than that of the first sample. The reason for that difference is unknown. An inference
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Figure 6.35: Permeability results of the Woodford sample with the lubrication effect in 7%
(by weight) KCl.
Figure 6.36: The Woodford sample at the beginning of the experiment in 0.07% (by volume)
friction reducer.
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Figure 6.37: The Woodford sample at the end of the experiment in 0.07% (by volume)
friction reducer.
is that the impacts of capillary imbibition and osmosis are various because fracture surfaces
are different from each other. Hence, more tests are needed to investigate that impact.
However, the conclusion can still be drawn, based on the results in the Woodford shale
samples, the capillary imbibition and osmosis reduce the permeability of open fractures, but
the reduction is less than the permeability of the matrix.
Figure 6.38: Imbibition experiment and permeability change of the Woodford sample in




This chapter states the conclusions in this dissertation, and the recommendations for
further studies.
7.1 Conclusions
This dissertation investigates the influence of the imbibed fracturing fluid on shale sam-
ples in the Niobrara, Horn River, and Woodford shale formations. The investigation first
proves that capillary imbibition and osmosis control fracturing fluid loss in shale formations.
Then, this research determines various factors that influence capillary imbibition and osmosis
of shale rocks. Last, the dissertation show impacts that are caused by capillary imbibition
and osmosis in shale formations. Permeability is selected to be the criterion of the impacts.
Based on experiments, the following conclusions are presented:
For capillary imbibition and osmosis in shale
1. Capillary imbibition has generally been the primary mechanism considered during frac-
turing fluid loss. Besides capillary imbibition, osmosis is underpinned especially when
the results of 24% (by weight) KCl are compared with those from the distilled water.
Because of the clay in the shale, which acts as a kind of membrane, osmosis can occur
when concentration differences exist between the outside and the inside of shale rocks.
Therefore, osmosis is one of the mechanisms controlling fluid loss in clay rich shale.
During the hydraulic fracturing treatment in shale formations, if salinity of the frac-
turing fluid is less than pore water salinity in the formation, osmotic pressure is also a
driving force to cause that the fracturing fluid is imbibed by shale formations.
2. Both osmosis and capillarity dominate the fracturing fluid loss of shale samples. The
domination is influenced by the water saturation in the shale samples. Because of the
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reciprocal relationship between capillary pressure and water saturation, the capillary
pressure is high and dominates the fluid loss process when the water saturation is
low. In most shale formations, the initial water saturation is under the sub-irreducible
saturation condition. Therefore, capillarity controls when the fluid first contacts the
rock. With the increased volume of imbibed fluid in the rock, the capillary pressure
becomes smaller until the osmotic pressure dominates the fluid loss process.
3. The imbibition experiments can distinguish the wetting phase and non-wetting phase
of the rock. The results from the imbibition tests are more accurate than those from the
contact angle measurement. During imbibition experiments, the imbibed volume and
rate show the distinct difference between oil and water. The imbibition experimental
result provides a more concrete indication of wettability on pore spaces in the samples,
but the contact angle measurement only indicates wettability on surfaces of the sample.
4. The rate of fracturing fluid loss depends on contact angle and pore water salinity.
The sample that has a low contact angle is expected to have a faster imbibition rate
because low contact angle indicates the strongly water wet sample that has a high
capillary pressure. The higher capillary pressure results in a faster rate of imbibition.
In addition, the rate of osmosis is faster in the sample with high pore water salinity.
This is because when the salinity of the fluid outside the rock is constant, higher pore
water salinity can produce a larger osmotic pressure that causes a faster rate.
5. Adjusting the wettability and salinity of the fracturing fluid to change capillary and
osmotic pressures in the shale formation can control fracturing fluid loss. Using sur-
factant to change near fracture formation into higher contact angle and increasing the
fracturing fluid salinity can lead to a slower imbibed rate; and if the fracturing fluid
salinity is higher than the pore water salinity, osmosis can be reversed and cause water
molecules leave the formation into the created fracture domain.
For various parameters influence capillary imbibition and osmosis
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6. Clay content should be considered the most important factor which impacts capillary
imbibition and osmosis in shale because high clay content shale, for example more than
30% clay content in the Horn River shale formation, can imbibe from 15% to 70% more
fracturing fluid volume than low clay content shale.
7. When the sample has lower initial water saturation, it results in a faster rate and a
larger volume of fracturing fluid loss than higher initial water saturation. Therefore,
the shale formation that is under sub-irreducible water saturation condition is expected
to have a fast and large fluid loss due to its low initial water saturation.
8. Of the three fracturing fluid types examined, 0.07% (by volume) friction reducer fluid
is imbibed the most in the high clay content shale sample. The 0.07% (by volume)
friction reducer fluid is imbibed from 10% to 40% more than 2% (by weight) KCl and
2% (by volume) KCl substitute fracturing fluids. However, the 0.07% (by volume)
friction reducer fluid is not always a bad choice in all kinds of shale formations. It is
imbibed from 10% to 60% less than 2% (by weight) KCl, and sometimes has a similar
imbibed amount to 2% (by volume) KCl substitute fluid in the less than 10% clay
content shale sample. Therefore, mineral content analysis is very important prior to
designing any kind of fracturing fluid.
9. Based on design factors, including clay content, initial water saturation, wettability,
pore water saturation, hydraulic fracturing treatments can be optimized. The opti-
mization provides suitable fracturing fluids to control capillary imbibition and osmosis
in shale formations.
For the impact from capillary imbibition and osmosis
10. Matrix permeability of the shale sample is damaged and reduced by capillary imbibi-
tion and osmosis. The reduction in some cases may be as high as 95% based on the
original matrix permeability. In addition, the increase in the imbibed volume causes a
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corresponding decrease in the matrix permeability. The more volume is imbibed, the
worse the reduction of the matrix permeability is.
11. The matrix permeability damage in shale formations from capillary imbibition and
osmosis is believed to be permanent. Increasing drawdown pressure, which was sug-
gested in previous studies, cannot eliminate the damage. This is because both clay
swelling and water blockage cause permeability damage in the shale matrix. Even if
higher drawdown pressure could reduce the damage from water blockage, clay swelling
still declines matrix permeability in shale formations.
12. Micro-fracture permeability in shale samples can increase during capillary imbibition
and osmosis. The reason for the increase is unclear, but from a macroscopic view, the
imbibed fracturing fluid ”lubricates” micro-fractures and reopens them. This lubrica-
tion effect exists in the water-based fluid, whereas, in crude oil, the lubrication effect
is not observed.
13. Fracture permeability of natural fractures that are already separated is also decreased
after spontaneous imbibition experiments. But the decrease is smaller than the decrease
in matrix permeability.
14. The combination of permeability increase in micro-fractures and permeability decrease
in fractures and matrix determines whether hydraulic fracturing stimulation increase
production in shale formations. In addition, based on the permeability change, shut-in
time can be decided to minimize negative impacts and to maximize positive impacts
from capillary imbibition and osmosis.
7.2 Recommendations
Based on the limitations of the experiments, recommendations for future study are as
follows:
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1. This dissertation provides a qualitative analysis of the effects from osmosis and capil-
larity in shale. Further studies are required to quantify the contributions from osmotic
and capillary pressures to fracturing fluid loss. Since osmosis is related to the clay con-
tent in shale, influence from clay content should also be investigated fully. In addition,
simulation of fluid loss in shale formations should include the influence of both osmosis
and capillarity.
2. The experimental conditions in the spontaneous imbibition experiment are at room
temperature and atmospheric pressure. The test samples are not confined. Therefore,
the shale samples may have different imbibed volume and rate at in-situ reservoir
conditions. Further studies should design advanced spontaneous experiments under
reservoir conditions.
3. The investigation in this dissertation finds that the lubrication effect, which is caused
by capillary imbibition and osmosis, can increase micro-fracture permeability. Future
studies, based on more tests, should investigate the reason for the increase of the
micro-fracture permeability and the decrease of the fracture and matrix permeability.
4. Further studies are required to investigate the solution to control capillary imbibition
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